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Figure 6.11 Oil field vs gas field production profiles (source: Wood Mackenzie)

are identical on an energy equivalent basis, gas production can be a third less
valuable than o1l production — unless the gas can be sold on spot markets and
depleted as quickly as oil.

4 Natural gas pricing and taxation

A Final market and export prices

A major challenge for governments in the taxation of export projects is ensuring
that the price which is used for calculating the government take is a fair and rea-
sonable one. The lack of other gas sales prices to benchmark against and the
level of tariffs charged by the owners of the links in the chain between the export
point and the price paid for the gas in the final market, makes this difficult.

In an LNG project, for example, the FoB price is commonly used for calculat-
ing tax in the midstream or integrated projects. This 1s supposed to be the price
paid by the end user, net of deductions for the transportation, regasification and
marketing of the gas. Both the final market price and the level of deductions sig-
nificantly impacts the FoB value, so government has a strong motive to ensure
that all of these are fair. This creates difficult challenges.

The first issue is establishing that the final market price compares with
similar sales by other producers into similar markets. Most gas export sales are
under long-term (20-30 years) contracts, and the terms of sales agreements
reflect numerous factors. The gas price in any period is normally derived from a
base price agreed at the time of signing the contract and reflective of markets at
the time, then linked by formulae which refer to the prevailing prices of com-
peting fuels, inflation and other indices. Price floors and ceilings are often
included.

Shifts in bargaining power and market conditions over time mean that the

price being paid for gas under one agreement may be significantly different from
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that under another. These prices are also only rarely reported, so 1t 1s difficult to
ascertamn if the price in any particular contract 1s significantly higher or lower
than 1s bemng paid for gas from other sources. In these situations, governments
can refer to the few published gas prices that exist, with the most well known
being the Henry Hub spot price in the US. In Europe, the most established spot
price index 1s the National Balancing Point (NBP) in the UK.

Where the final destination 1s expected to be a market which does have
reported gas prices, the sales agreement will often take the reported price as the
basis for the FoB price, less deductions and any additional indexation factors.
Thus, sales to the US could reference Henry Hub, with the FoB price increasing
or decreasing as that price changes. The more directly the sales price 15 associ-
ated with a widely reported spot price, the more transparent the agreement can
be seen to be and the more likely 1t 1s that the Fol8 price 1s fair.

The government of the producing country should also be concerned with the
level of deductions being made from the final price to cover the costs of getting
the gas to the market An FOB price denved from the final market in the US, for
example. might be expressed as follows:

FoB Price = Henry Hub Price = (100 —(A+ B+ C))% — (X + Y + Z), where

* A = volumes lost in liquefaction process.

* B =volumes lost in regasification process.

* € =volumes lost in pipeline to Henry Hub/market.

* X = shipping tarft from export point to recerving terminal.

* Y = tanff for regasification.

*  Z = pipeline tarff from regasification plant to Henry Hub/market.

An array of factors influence the levels of tanffs which are charged by the
owners of the shipping, regasification and pipeline links in the chain. These
include the availability of alternative suppliers of the services and facilinies, dis-
tances mvolved, operating and capital costs of the facilites and the rates of
return included mm the owners™ tanff calculations (which may be regulated but
normally are not).

The same companies may own more than one of these links and have an inter-
est In moving economic rent to the lowest-taxed link. Thus, government needs to
carefully monmtor and benchmark each of the tariffs being deducted from the
final sales price. Although this can be very difficult — and investors clearly have
advantages of asymmetry of information — there 1s an increasing amount of data
and methodologies in the public domain which can help establish benchmarks,
For example, third-party tanker freight rates are publicly quoted and several
prpeline compames publish existing tanff rates on their websites.

Guidelines for ‘reasonable’ rates of return to be included n gas processing
and pipehne tariffs are established under the US Federal Energy Regulatory
Commussion (FERC: www ferc.gov) and Canada’s National Energy Board
(MNEB: www.neb.ge.ca) rulings. It remains true, however, that ensunng fees
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charged for handling and processing gas (outside of the producing government’s
Jurisdiction) are fair and reasonable 15 a significant problem for many govern-
ments. One possible solution to this 15 to place the ‘burden of proof” onto the
producing company in a self-assessment of the FoB price recerved. Under this
policy, the company would need to demonstrate to the government that the fees
it was paying (and volume losses 1t incurs) are within a reasonable range for the
relevant cargoes.

A final 1ssue related to netback pricing which has emerged n recent years 1s
that the agreed FoB price may not actually reflect the final realised prnice. Some
companies have developed mtegrated LNG businesses and can make use of their
presence in different markets to optimise the economic benefit from any LNG
trade. For example, an LNG buyer could agree to pick up LNG cargoes from a
producing country, with an agreed price formula linked to the prevailing Henry
Hub gas price, with the mtention that the cargoes will be sold mto the US
market. However, 1f the buyer has an opportunity to sell the cargo into a differ-
ent market (e.g. Asia), then it can do so and benefit from the price upside. The
producing government (and producing company ) will recerve none of the upside
unless the LNG sales agreement specifically addresses the 1ssue. As a result, pro-
ducers are beginming to seek specific sharing mechamsms for additional price
upside in new LNG agreements,

B ‘Im-country’ costs

The 1ssue of far and reasonable fees charged 1s also pertinent to links in the
value chain within the country. Fees will be charged by infrastructure owners
(10s) to third parties (e.g. producers of small gas satellite fields {SPs)) for use of
gas gathering, processing and transportation faciliies. Some transport facilities —
primarily major gas pipelines in North America — are owned by companies
which have no economic interest in the producing fields. but 1t 15 common for
the development of natural gas infrastructure to be included as part of a first
phase of upstream gas field development. Tantf agreements for the use of these
facilimies are normally the result of commercial negotiations between the 10 and
SP and rates will be negotiated somewhere between the 10O’s incremental cost of
providing the service (which may be near to zero) and the SP’s opportunity cost
of developing an alternative option to deliver its output to market (which would
often render the development uneconomic).

In the early years of an emerging basin, the major infrastructure will normally
be owned by the producers of the imitial field developments and their production
will use most, if not all, of the available capacity. In these circumstances the 10s
can essentially offer “take 1t or leave 1t” terms to SPs. As basins mature and the
number of pipelines and other alternative routes to market increase, the SP
should develop a stronger bargaining position. As production from older fields
decline and capacity becomes available in processing facilities and pipelines the
[0 will normally be keen to share the ongoing operating costs with SPs and tanff
terms will become more favourable.
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Tariff agreements are expected to anse from negohiations but, to different
degrees, governments retain the right to intervene if an SP complains about the
rates being offered by the [0). Canada and the US have regulatory bodies which
oversee tanff settlements and provide guwdelines for industry to follow. In the
UK the industry and government have jointly developed guidelines for infra-
structure access. In Norway and several developing economies with well
developed national o1l companies, all gas pipelines are operated by the state and
pipeline tariffs are established by government.

Processing and transportation tanff arrangements are normally based on an SP
securing a certain amount of capacity, often with an additional element based on
actual throughput. This may be modified by "use or pay” terms, which oblige the
5P to pay a fee on the basis of a certain amount of throughput, regardless of how
much production 1s actually sent to the facilines. Additionally, the SP may seek
‘firm’, 1.e. guaranteed, or “interruptible’ access to the facilimes. with lower tantt
rates for the latter arrangement. Both parties will assess the nsks of capacity and
production volumes being available when negotiating the terms. Other agreements
will provide for an “all in” single rate, but in most cases the actual rate agreed waill
normally be calculated with some reference to the 10°s operating and capital costs.

The “operating fee” 15 normally established to share the ongoing operating
costs of the mnfrastructure, according to each party’s share of total throughput.
The ‘capital charge’ 1s supposed to enable the IO to recover costs and make a
return on equity/capital employed, and agreement on what 15 a reasonable return
15 one of the most likely sources of breakdown in negotiations between the
parties. Some governments have 1ssued gudelines on what 15 regarded as a ‘rea-
sonable’ return on equity. 1Os are not obliged to use these in negofiations, but 1f
a case goes In front of the regulatory body, a sigmficant departure from the
return rate (without good cause) could be deemed unsupportable.

Fiscal terms can influence tanffs sought by 10s and the tanffs can impact fiscal
revenues. Third party tariff income 15 normally either taxable or reduces tax
allowances, which means that [Os seeking a net income must buld the effective
tax rate into their calculations. Where 10s are subject to different royalty or tax
rates, this can create a competitive advantage for the 10 with the lower tax rate as
it can charge a lower fee to generate the same net after-tax income.

Similarly, because of the deductibility of tanffs, governments need to ensure
that the tanffs charged are not being manipulated to achieve tax minimisation.
The opportunity for this will be most apparent when the [0 and SP have differ-
ent tax rates and if a company has an economic interest in both the 10 and 5P,

C Subsidised prices or fiscal revenues?

In most developing countries, domestic energy prices are regulated and the
resulting low prices available make these projects relatively unattractive to pro-
ducers. In many countries, the inability of local consumers to pay anything like
the international market prices for gas has traditionally meant that developing
gas for domestic use has been considered uneconomic by investors, who are
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mostly interested in exporting gas to the more lucrative markets i North
America, Europe, Japan and Korea.

The increase mn energy prices between 2002 and mud 2008 has slowly been
reflected 1n increasing domestic prices in developing countries, and interest in
local projects is growing among producers, not least because of the surge in
costs associated with exporting gas, whether by long-distance pipeline or LNG.
With a strong political desire in most countries to expand local gas utilisation,
the more the economic differential between domestic and export sales is reduced,
the more attractive local projects will become. However, the transition from the
current price structure in most developing countries to one comparable to that
prevailing in the main consumer countries will take time.

In the meantime, to encourage development of gas supplies for domestic utili-
sation, governments are beginning to require gas producers pursuing export
projects to include a component of domestic gas utilisation. For example, a new
LMNG project may require producers to also provide feedstock to a local power
plant, as part of the overall development. Without the domestic commitment, the
export project will not be approved. Thus, producers are obliged to supply the
local market, although they will tend to keep their involvement in supplying gas
to buyers as far upstream as possible.

Where prices are below the costs of production, the only way investors can be
persuaded to develop the gas 1s if the government provides a subsidy — erther
explicitly or implicitly through some form of consolidation with o1l production.
Nigena, for example, got around a similar economic impasse by allowing oil
producers to consolidate the capital costs of gas utilisation projects to be recov-
ered from o1l revenues, thus attracting 85 per cent tax relief, while allowing any
operating profits to be taxed under standard corporate tax rules, at a 30 per cent
rate. Under certain circumstances, the tax generated from the production would
be less than the tax relief allowed up front — an implicit subsidy for the o1l pro-
ducers. Investors claim that without this fiscal incentive, local gas prices —
including the feedgas price the Nigenan LNG ("NLNG') project pays — are not
high enough to enable economic development of the reserves. There has been
much debate over the fiscal rules for gas projects in Nigena in the past few
years, but a new fiscal regime has yet to emerge (30 2008).

Where there 15 a significant divergence between domestic and export prices for
gas, governments can erther incenfivise domestic projects through lower taxation
or explicit subsidies to producers. Alternatively, they can reduce the economic
attractiveness of export projects by levying an export duty on production. This can
reduce the netback price to equate to the price available in the domestic market.
There are a number of countries which impose such duties on o1l exports, but only
a small number apply export duties to gas, notably Argentina and Russia.

5 Conclusions

The government’s pricing, NOC equity position and fiscal policies for natural
gas projects must be developed simultaneously. If the existing upstream and
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downstream fiscal regimes are different — which 1s normal — the transfer price
between the upstream and midstream operations becomes crucial. Under arm’s-
length agreements between upstream and mudstream operations, market forces
should dictate an appropnate price. If ownership of the two operations 1s the
same, however, a proxy transfer price needs to be established. Alternatively, a
separate tax regime could be developed for an integrated gas project, with the
combined upstream and midstream operations treated as the taxable entity.

Just as 1t does for o1l, governments need to closely monitor and benchmark
final market prices, interim transfer prices and charges in each link of the value
chain to ensure that taxable income 1s fairly calculated. In particular, government
and producers should aim to share in realised market prices which are greater
than expected, and this needs to be addressed in gas sales agreements. Unlike
o1l, however, the availability of market data on such sales 1s limited and often
held confidential under long-term gas sales agreements, suggesting that the
‘burden of proof” should rest with the taxpayer.

A high ligmds content in a natural gas project significantly enhances its prof-
itability and can enable producers to charge a lower price for gas. This can make
the difference between a gas project being economically viable or not. When the
liguids are liable to a ligh tax rate (e.g. o1l tax rates), this economic benefit can
be neutralised for investors. It 1s, therefore, important to consider how conden-
sate 1s treated under differentiated fiscal terms, as this can influence the pace of
development of the gas industry.

(Gas projects may require more atiractive fiscal terms than o1l projects as a result
of lower profitability, caused by lower energy equivalent prices; mgher transporta-
tion costs; and longer, flatter production profiles. Fiscal terms which are progres-
sive and linked to project profitability could apply to both o1l and gas and the level
of government take will automatically be lower from less profitable projects.
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Notes

| Government take = Sum of all royalties, taxes, profit share, etc., expressed as a per-
centage of the pre-take cash flow or NPY. Country take = Government take + NOC
equity cash flow,

2 “Associated’ gas normally refers to gas which 15 produced 1in conjunction with o1l but
where o1l production 15 the primary focus of the project. “Non-associated” gas normally
refers to fields/reservorrs which contain mostly gas reserves, although associated
liquids such as condensate may be present as well,



